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Abstract 
Acid gas comprising 98% CO2 and 2% H2S has been injected since 2002 in a depleted gas reservoir in Alberta, Canada, that has 
20% water saturation. Carbon dioxide broke through first at producing wells, while H2S broke through after CO2. It was 
hypothesized that the delayed breakthrough of H2S was due to its greater solubility in reservoir water than that of CO2. Static 
laboratory experiments at in-situ conditions confirmed the higher solubility of H2S in brine than that of CO2. The solubility of the 
injected gas seems to increase linearly with the mole fraction of H2S in the gas stream; however, due to preferential H2S 
solubility, the dissolved gas has a greater proportion of H2S than CO2 compared with the injected gas. Dynamic laboratory 
experiments of the flow of CO2 containing H2S through a 24 m long coil tube packed with silica sand and saturated with brine at 
in-situ conditions of pressure and temperature have shown that the higher solubility of H2S in contrast to that of CO2 results in 
suppressed H2S concentrations at the leading edge of the breakthrough gas phase at outlet. Additional laboratory experiments 
with variable composition of the injected CO2 and H2S stream, and different conditions of temperature, pressure and water 
salinity have shown that these factors affect the breakthrough of the two gases and the time lag between them. Subsequently, the 
laboratory experiments were replicated using a compositional numerical simulator. Sensitivity analysis of the numerical 
simulations has shown that the CO2 and H2S breakthrough at the outlet is affected also by factors affecting the length of the two-
phase region such as medium relative permeability and flow direction with respect to gravity. Dispersion does not affect the 
timing of the gas breakthrough, but reduces the lag between the CO2 and H2S breakthrough. The results of these laboratory and 
numerical experiments should impact injection and monitoring strategies for impure CO2 streams. 
 
© 2008 Elsevier Ltd. All rights reserved 
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1. Introduction 
Storage in geological media of CO2 originating from various large stationary sources is a climate-change 
mitigation strategy that can be implemented in the near-to-medium term [1, 2]. It is most likely that the injected CO2 
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stream will contain impurities, such as H2S, SOx and NOx, because the cost of capturing high purity CO2 streams is 
very high, but the presence of these impurities increases the costs and risks of transportation and storage. The 
presence of impurities (other gases) in the CO2 stream has both physical and geochemical effects, particularly in the 
presence of water. From a risk management point of view, it is important to detect and remediate as quickly as 
possible leaks of these gases, particularly in view of their higher toxicity as compared with CO2. This indicates the 
need to better understand the behavior and effect of various impurities in the CO2 stream. 
The work presented here was initiated based on reporting by a gas plant operator that acid gas containing 98% 
CO2 and 2% H2S that was injected into a depleted gas reservoir in Alberta, Canada, broke through at producing 
wells, with pure CO2 being observed prior to H2S breakthrough. It was hypothesized that the delayed breakthrough 
of H2S was due to its higher solubility in water than that of CO2 (the gas reservoir has 20% irreducible water 
saturation), leading to chromatographic partitioning of the two gases at the leading edge of the expanding acid gas in 
the reservoir. Laboratory experiments confirmed this hypothesis. The effects of gas concentration and in-situ 
conditions of pressure, temperature and water salinity on the partitioning of the two gases, CO2 and H2S, were 
investigated through laboratory experiments. The effect of flow conditions, such as absolute and relative 
permeabilites, dispersion, mobility and flow direction, have been studied using numerical simulations. The results of 
these investigations are reported below. 
2. Laboratory experiments 
At standard conditions, H2S solubility in fresh water is 0.665 g/100 cm3, compared with CO2 solubility of only 
0.336 g/100 cm3 [3]. Assuming that H2S is more soluble than CO2 at any in-situ conditions of pressure, temperature 
and water salinity, H2S dissolves preferentially in formation water and reduces the potential and capacity for CO2
dissolution. As the injected gas flows away from the injection well, it comes in contact with unsaturated formation 
water which “strips away” H2S from the injected CO2 stream. Two sets of experiments were run at Hycal Energy 
Research Laboratories Ltd. at representative in-situ conditions of pressure, temperature and water salinity: one under 
static conditions (no flow), to verify and measure at in-situ conditions the preferential solubility in formation water 
of H2S compared with that of CO2, and the second set under dynamic (flow) conditions, to verify that indeed CO2 is 
produced ahead of H2S. The experiments were performed at pressure P=13,500 kPa and temperature T=61 °C, and 
used a reconstituted formation brine of 118,950 mg/l salinity. 
2.1. Static solubility experiments 
The PVT (pressure-volume-temperature) apparatus for observing the phase behavior of the CO2-H2S gas mixture 
under static conditions normally includes a visual cell, source cylinders, capillary tube, collection cylinder, cleaning 
solvent bomb, oven, cathetometer, buffers and pumps.  Use of the cathetometer provides for accurate phase volume 
measurement (±0.1 cc) at system temperature and pressure. Due to the elevated pressure and temperature of the 
experiments, a high pressure test cylinder was substituted for the visual cell. The high-pressure piston test cylinder 
has a pressure rating of 20,000 psi (137.9 MPa) at 200 °C. Connected to the pressure cell are high pressure source 
cylinders containing the fluids of interest. Displacing fluid into the bottom of the source cylinder with the pump 
transfers a corresponding volume into the pressure cell. Thus the fluids can be mixed in prescribed ratios to within 
about 0.02 cc. These cylinders are 660 cc volume 316 SS cylinders with a pressure rating of 10,000 psi (68.95 MPa). 
The static solubility tests were conducted by charging a specified volume of brine into the piston cell in the PVT 
apparatus and increasing temperature and pressure to the desired test conditions. Small amounts of the gas mixture 
of interest were then titrated into the cell under constant agitation until the first small bubble of free gas was 
observed, indicating that the saturation point of the brine had been reached at the specified operating conditions. 
Excess gas was then added to the system under agitation to simulate an ‘equilibrium’ brine situation approximating 
the zone of an aquifer where excess injected gas had contacted a given brine volume. The excess free gas was then 
removed at constant pressure and the remaining saturated brine was then flashed to ambient pressure and 
temperature (and corrected to standard conditions based on the flash conditions). The gas-water solubility was 
measured and a determination was made of the composition of the dissolved solution gas in the brine. 
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Figure 1: Results of measurements of gas (CO2 and H2S) solubility in brine at in-situ pressure and temperature under static (no-flow) conditions, 
as a function of H2S percentage in the initial feed gas: a) total dissolved gas in solution at standard conditions, and b) mole fractions of CO2 and 
H2S in equilibrium gas phase. 
Figure 1 above shows the results of the static solubility tests for different concentrations of H2S: 0%, 10%, 30%, 
50%, 70%, 90% and 100% in the gas stream, the balance being CO2. Hydrogen sulphide has a higher solubility than 
CO2 even if pressure, temperature and water salinity are much higher than standard conditions (the feed ratio of CO2
to H2S is not maintained, with significantly higher concentrations of H2S being retained in the brine phase than in 
the feed gas phase due to selective solubility effects). The results of the static solubility tests indicate that: 
1. The solubility relationship appears to be a relatively linear function of H2S mole fraction, with steadily 
increasing solubility of the contacting gas in the brine as the mole fraction of H2S increases. 
2. The composition of the gas dissolved in brine (“solution gas”) is a non linear function of the contacting gas 
composition, with greater preferential retention of H2S than CO2 in the brine phase versus the gas phase. This 
non-linear behavior is more pronounced for low H2S concentrations in the contacting gas than for high 
concentrations, for which the relationship if almost linear. This behavior is consistent with the higher solubility 
and lower gas-brine equilibrium ratio value (k-factor value) of H2S in comparison with CO2.
3. Despite the increase in solubility of the feed gas with increased H2S concentration, the volume of the dissolved 
CO2 decreases. For example, when the mole fraction of H2S in the feed gas is zero, 16.9 m3 of CO2 dissolves in 
1 m3 of water. However, when the mole fraction of H2S in the feed gas increases to 50%, the dissolved volume 
of CO2 decreases to approximately 11.3 m3 (all volumes are at standard conditions). 
2.2.  Dynamic solubility experiments 
A special apparatus was designed and constructed for the dynamic partitioning (under flow conditions) of the 
components in the CO2 stream. The apparatus consists of a high pressure tube made of hastalloy, 0.775 cm and 
0.952 cm inner and outer diameters, respectively, and 24.38 meters in length. The tube is packed with 20/40 mesh 
silicate rounded frac sand and coiled to allow placement in a heat bath to simulate reservoir temperature conditions. 
The sand has 37% porosity (measured by pressure saturation of the long sand pack with brine) and permeability of 
5915 mD; permeability was measured by single phase brine displacement prior to commencing the gas injection 
phase. A summary of tube characteristics is given in Table 1. The silica sand was chosen to avoid possible 
geochemical reactions between the acidic brine saturated with dissolved H2S and/or CO2 and the mineral grains, 
which could affect the flow conditions and the partitioning of the two gases because of differential solubility. A 
quartz strain gain pressure transducer is mounted across the coiled tube to allow differential pressure measurements. 
Fluids are stored in sour-gas rated piston cylinders and pulsation-free position-displacement injection pumps are 
used to displace the test fluid through the long packed tube at a fixed, known constant displacement rate. System 
pressure is controlled using a sour-gas service-rated backpressure regulator.  Fluid samples are obtained in a three-
S. Bachu et al. / Energy Procedia 1 (2009) 3165–3172 3167
 Author name / Energy Procedia 00 (2008) 000–000 
phase separator where oil (not present in these tests), water and any gas phase volumes can be measured. The gas 
phase composition is determined by injection of the produced gas samples into a Hewlett Packard Series 5980 gas 
chromatograph with independent verification by Tutwiler titration (for H2S concentrations). The Tutwiler method is 
an iodide based optical titration method that is commonly used on a field basis to verify H2S contents in acid gases 
that involves no electronic instrumentation and hence provides a rapid verification of the accuracy of the gas 
chromatograph measurements. 
The dynamic displacement-solubility tests were conducted by evacuating the packed column to remove all 
trapped gas saturation and heating the system to the desired test temperature. The packed column was then pressure 
saturated to the operating pressure with dead (degassed) formation brine and the baseline permeability to brine was 
determined (5915 mD). The specified injection gas was then injected at a low rate (5 cc/hr) from the top side of the 
coiled tube to the base.  The displacement is gravitationally stable and capillary effects are most likely negligible for 
unconsolidated sand with such high porosity and permeability. The pressure differential, produced gas and water 
volume, as well as the incremental composition of the produced gas phase were measured during the experiment on 
a regular basis in order to track the leading edge compositional profile of the injected gas as it moved through the 
packed column and determine the specific point of steady state flow indicating that an equilibrium condition had 
been achieved and that the test was completed. 
The dynamic displacement-solubility tests were conducted for a stream of CO2 containing 2%, 5% and 30% H2S. 
In all cases, gas with an initial composition of 100% CO2 and 0% H2S broke through at the outlet of the coiled tube 
(Figure 2). The CO2 concentration is initially higher in the breakthrough gas than in the initial feed gas due to the 
physical absorption of the more soluble H2S in the column water. Breakthrough of H2S in the effluent stream 
occurred after some delay, followed by a rise in H2S concentration and a corresponding decrease in CO2
concentration until the composition of the effluent gas matched the concentration of the two gases in the feed gas. 
The higher solubility of H2S than that of CO2 results in suppressed H2S concentrations at the leading edge of the 
breakthrough gas phase, a phenomenon identified also through numerical simulations for the case of injection of a 
mixture of 70% CO2-30% H2S into a deep aquifer [4].  
Figure 2: Breakthrough of: a) CO2, and b) H2S, at outlet for compositions of the feed gas of CO2 containing 2%, 5% and 30% H2S.
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However, H2S breakthrough occurs at earlier pore volume (PV) of total injection as the H2S concentration in the 
feed gas increases. Subsequent numerical simulations suggest that this is most likely due to higher relative 
permeability for gases with higher concentration of H2S [5], which itself is due to lower interfacial tension between 
brine and CO2-H2S gas mixtures with higher concentration of H2S [6]. This indicates that, based on the results of 
this work, the higher the level of H2S in the feed gas is, the more rapid is the potential breakthrough of H2S at the 
leading gas edge. Breakthrough time of the gas is also related to composition and test conditions.  
The effect of various in-situ conditions of pressure, temperature and water salinity was studied for a feed gas 
containing 95% CO2 and 5% H2S. Figure 3 presents for comparison the breakthrough of CO2 and H2S at various 
conditions of successively changing (lowering) the in-situ conditions of water salinity, temperature and pressure. 
The experiments have not been simulated in detail and the interpretation of these results is based on the 
experimental evidence and changes of solubility from one experiment to the other.  However, changes in flow 
properties from one experiment to another may also play some role. In the case of the feed gas contacting fresh 
water at reservoir conditions of pressure and temperature, there is a slight delay in the breakthrough point of CO2
and H2S due to the increased solubility of both CO2 and H2S in the fresh water compared to the saline water. The 
breakthrough profile is similar in the case of the experiment conducted at high pressure and lower temperature using 
fresh water, but with a later breakthrough time, consistent with the higher solubility associated with the lower 
temperature of the system. In the case of lower pressure and temperature freshwater, the breakthrough profiles are 
closer to the case of freshwater and low temperature but higher pressure, except that the breakthroughs occur earlier. 
The results indicate that overall, gas solubility exerts the primary control on the breakthrough times and profiles, and 
that the in-situ conditions of pressure, temperature and water salinity affect the timing of gas breakthrough and 
composition of effluent gas through their effect on gas solubility. These findings are consistent with the effect of the 
respective parameters on gas solubility. 
Figure 3: Breakthrough of: a) CO2, and b) H2S, at outlet for various conditions of pressure, temperature and water salinity in the porous medium, 
for a feed gas containing 95% CO2 and 5% H2S.
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3. Numerical experiments 
One-dimensional numerical simulations were carried out using the compositional simulator CMG-GEM™ [7] to 
examine the effect of various parameters affecting the chromatographic partitioning of CO2 and H2S such as gas 
solubility, medium permeability, relative permeability, dispersion and displacement direction. For the purpose of 
simulations, the length of the sand-packed coil was divided into 500 equal discrete intervals (grid blocks). Corey-
type relative permeability functions, which allow characterization of relative permeability curves for gas and brine 
using six parameters, were used in numerical simulations, to facilitate history matching of the experiments. The 
dissolution of gases in the aqueous phase is modeled in the CMG-GEM™ model using the general Henry’s Law: 
iii Hfx /=  
where xi is the composition of component i in the aqueous phase, fi is the fugacity of component i in the gaseous 
phase and Hi is Henry’s Law constant for component i given by: [ ]RTppVHH refiii /)(exp* −= ∞  
In the above relation Hi* is the reference Henry’s Law constant of component i at the reference pressure pref, Vi
is the partial molar volume of component i at infinite dilution (l/mol), p is pressure (kPa), R is the universal gas 
constant and T is temperature (K).  
In order to calculate the solubility of the gases in the aqueous phase, the parameters Hi* and Vi were estimated 
for both CO2 and H2S at the conditions relevant to the flow experiments on the basis of the static laboratory 
measurements of solubility in brine of mixtures of CO2 and H2S and Equation-of-State modeling. The values of 
Henry’s Law constant for H2S are less than half of the corresponding values for CO2, indicating greater solubility of 
H2S than that of CO2 by a factor >2 (assuming equal concentration, i.e., fugacity, of H2S and CO2). A good match 
was obtained between simulation results and the laboratory experiments for the cases of 2% and 30% H2S in the 
CO2 stream (Figure 4), demonstrating that indeed preferential dissolution of H2S in the aqueous phase results in 
delayed breakthrough of H2S. The numerical experiments have captured well first-order effects, such as the delayed 
breakthrough of the two gases due to differential solubility in brine. Second-order effects that would explain the 
slight differences between experiments and numerical simulations have not been investigated. The very good match 
between the laboratory experiments and the corresponding numerical simulations (labeled henceforth “base case”) 
allowed performing sensitivity studies to understand the effect that flow conditions have on the delay in 
breakthrough time of H2S relative to that of CO2.
Figure 4: Comparison between numerical calculations and experimental laboratory results of chromatographic partitioning for the cases of a CO2
stream containing 2% and 30% H2S.
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Figure 5: Comparison between the base case of 98% CO2 and 2% H2S breakthrough at outlet (solid lines) and the cases of: a) lower permeability 
and same injection rate, b) increased dispersion, c) increased solubility, d) increased gas mobility, e) top-down displacement, and f) bottom-up 
displacement (dashed lines, respectively) 
Figure 5 above shows graphically the results of numerical simulations for various cases of changing flow 
conditions compared with the base case. Reducing medium absolute permeability by a factor of 100 for the same 
pressure drop between inlet and outlet results in a corresponding decrease in the flow rate and a delayed 
breakthrough in real time, but there are no changes compared with the base case when the breakthrough is expressed 
in terms of pore volume displacement. However, for a constant flow rate, the pressure drop between inlet and outlet 
must be increased by a factor of 100, and the higher injection pressure at outlet leads to a delay in breakthrough 
(Figure 5a) due to secondary effects: increased gas solubility, increased gas viscosity, and reduced gas-displacement 
velocity due to gas compressibility. In the case of increased dispersion, the time of gas breakthrough is not affected 
(Figure 5b) because dispersion does not affect front velocity. However, dispersion affects the time lag between the 
breakthroughs of the two gas components because dispersion significantly enhances the back-mixing of the gas at 
the front edge with gas that follows. In addition, increased dispersion has the effect of “smearing” the H2S
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concentration in the effluent gas (Figure 5b). Increased gas solubility, e.g., in freshwater compared with brine, has 
the effect of delaying the breakthrough of gas at the outlet, with greater lag between H2S and CO2 (Figure 5c). 
Higher gas mobility caused by higher relative permeability results in earlier gas breakthrough than in the base case 
(Figure 5d) with a longer delay in H2S breakthrough, because of more efficient stripping of H2S as a result of a 
longer two-phase region leading to a larger contact area between the gaseous and aqueous phases. In a top-down 
vertical displacement, buoyancy opposes the gas flow, and, as a result, gas breakthrough occurs significantly later 
(Figure 5e), at 0.71 pore volume compared with 0.5 pore volume in the base case. This is because in this high-
permeability system (~6 darcies) the ratio of gravity to viscous forces strongly affects the displacement. The 
downward propagation of the gas injection front is stable, with lower velocity of the leading edge, resulting in later 
gas breakthrough. Because mobility effects are neutralized by gravity (buoyancy) effects, the front is sharp and the 
contact area between the gas and the brine is smaller, leading to a significantly smaller delay between the arrival of 
CO2 and H2S. In a bottom-up vertical displacement the effects are opposite to those observed in the top-down 
displacement (Figure 5f). In this case buoyancy acts in the same direction as the hydrodynamic injection force, 
leading to a more diffuse gas front. Breakthrough occurs earlier than in the horizontal flow case, with a longer delay 
in the breakthrough of H2S behind that of CO2 caused by increased H2S dissolution as a result of greater contact area 
between the gas and brine in an adverse-mobility environment.  
4. Conclusions 
Laboratory and numerical experiments have shown that preferential H2S solubility in brine compared to that of 
CO2 results in H2S being stripped off at the leading edge of a front of CO2 containing H2S that advances through the 
aqueous phase. Results within the range of experimental and simulation studies conducted, suggests that higher the 
fraction of the impurity in the injection stream is, earlier the breakthroughs of both CO2 and H2S are, and smaller the 
time lag between the two breakthroughs is, likely due to the fact that the water becomes saturated with H2S quicker. 
Factors that affect gas solubility, such as pressure, temperature and water salinity, affect the breakthrough time, 
which increases with increased gas solubility. Increased gas mobility also leads to earlier breakthrough time. 
Vertical bottom-up flow leads to earlier breakthrough because gas buoyancy is aligned with the hydrodynamic 
driving force leading to a wider two-phase region that arrives faster, while vertical top-down flow leads to delayed 
breakthrough because buoyancy opposes the hydrodynamic force, compressing the two-phase region. The time lag 
between the breakthrough of CO2 and that of H2S increases with increasing gas solubility, increasing gas mobility, 
decreasing mechanical dispersion, and also in bottom-up vertical displacements where gas buoyancy enhances the 
hydrodynamic drive, leading to a more diffuse gas front. Conversely, the time lag decreases with decreasing gas 
solubility, decreasing gas mobility, increasing mechanical dispersion, and in top-down vertical displacements where 
gas buoyancy opposes the hydrodynamic drive due to injection leading to a sharper gas front. Other in-situ 
conditions, not studied here, such as medium heterogeneity and rock mineral composition, will also affect the 
partitioning of the H2S contained in a stream of CO2 injected into a deep saline aquifer. These results are important 
in establishing monitoring strategies at CO2 storage sites and in evaluating the risks associated with the possible 
leakage of injected CO2 that contains H2S (and/or other impurities).  
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